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ABSTRACT

The distributed utility concept provides an alternate approach to guide electric
utility expansion. The fundamental idea within the distributed utility concept
is that particular local load increases can be satisfie:l at least cost by avoiding
or delaying the more traditional investments in centrz | generation capacity, bulk
transmission expansion, and local transmission and distribution upgrades. Instead
of these investments, the distributed utility concept s :1ggests that investments in
local generation, local storage, and local demand-side management technologies
can be designed to satisfy increasing local demand at ‘ower total cost. Critical to
instailation of distributed assets is knowledge of a util ty system’s area- and time-
specific costs. This review introduces the distributed 1 tility concept, describes an
application of ATS costs to investment planning, discu:.ses the various motivations
for further study of the concept, and reviews relevant literature. Future research

directions are discussed.
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INTRODUCTION

Over the past 20 years, electric utilities have been challenged by economic, reg-
ulatory, institutional, and technical developirents. As they continue to respond
to these challenges, utilities can be expected 10 alter the way they conduct their
business, including the way they operate, the way they plan, and possibly even
the way they are structured. This review explores a possible path of evolution
for electric utilities that entails a response ‘o these challenges and adopts a
nontraditional approach to investment planning. The essential feature of this
path is that utilities may evolve into what v.e refer to as distributed utilities.
The purpose of this review is to describe the distributed utility (DU) concept
and discuss some research that suggests that the concept has merit.

THE DISTRIBUTED UTILITY CONCEPT

United States electric utilities had become hizhly centralized and vertically in-
tegrated companies by the mid-1960s. The economic justification for the ver-
tically integrated utility has not changed for more than 100 years: Economies
of scale in central generation plants permit utilities to supply energy at an
ever-decreasing cost per kWh to customers connected to an ever-expanding
transmission and distribution system. The in-reasing cost of fuel, the inflation
of the 1970s and 1980s, a reduction of ceniral generation station economies
of scale, increasing environmental mitigatio: costs, and the failure of the nu-
clear power industry to deliver inexpensive power, in combination, perhaps with
other factors, led to an increase in the real cost of generating electricity. Further,
deregulation studies and changes in state anc federal regulations identified the
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need for and encouraged the development of compet:tion in the generation sup-
ply market. Therefore, the justification for the centralized, vertically integrated
utility may be weakening.

Two other developments are of interest. First, in 1989, the capital invest-
ment, over the entire industry, in transmission and distribution systems equaled
the investment in generation for the first time. In:reasing transmission and
distribution investment is expected to continue. In 1985, the fraction of total
annual investment allocated to generation was 69%, .nd the corresponding pro-
portion for transmission and distribution investment was 27%. By 1994, the
fraction of total annual investment required for generation was 38%, but the
share for transmission and distribution had increased to 51% (1). In 1993, for
three California investor-owned utilities, the annual capital expenditures were
approximately equally divided between generation and the combined cost of
transmission and distribution [Federal Energy Regulitory Commission (FERC)
Form 1, analysis provided by F Graves]. Predictions that extrapolate the ob-
served trend indicate that the transmission and distribution share of the total
utility construction outlays may increase to 80% aftor 1997 (2).

Second, various new generating technologies are approaching commercial
viability. Although the costs of these technologies (s ich as photovoltaics, small
diesel engines or gensets, and fuel cells) have decreased appreciably, further
reductions will be required before these technologies become competitive.
Commercialization of these alternatives requires using the economies of mass
production to bring down their costs and thus entails he simultaneous evolution
of markets and the technologies themselves. Rathor than delaying introduc-
tion until improvements in both the technologies anc equipment manufacturing
decrease total costs, commercializers may be expected to exploit high-value
market applications for the current generation of te<hnologies. Such early ap-
plications will stimulate both the naturai development of the technologies and
the manufacturing techniques used to produce them. This development process
should accelerate as new opportunities for these teck nologies are identified. As
the cost of generation decreases, new applications hecome possible; thus, the
technologies and the markets evolve jointly.

These conditions—increasing costs, exhaustion ol central station economies
of scale, environmental considerations, increased ccmpetition, changes in cap-
ital investment patterns, and development of alterrate technologies—suggest
that there are economic benefits to be gained if modular generation or stor-
age units are placed in the local transmission or dsstribution system close to
selected loads. Further, since the transmission andc distribution system is de-
signed to meet infrequent but large peak loading, the assets that account for
the major portion of the current and forecasted capiial investment are not often
utilized to capacity. Although such capital investment may be optimal given



158 FEINSTEIN, ORANS & CHAPEL

the available alternatives and the constraints that guide the traditional utility
planning process, there may be an opportuni y to shift capital if other alter-
natives are considered. Recent studies (3-6} .uggest that modular generation
or storage units, augmented by specially desizned demand-side management
(DSM) programs, can be used to reduce these infrequent peaks and to do so with
cost savings when compared to the cost of re:nforcing or expanding the local
transmission and distribution system. If intelli -ent controllers and switches are
added, it might even be possible for these local generation, storage, and load
control capabilities to be dispatched for syster1-wide needs as well.

The idea that generation, using modular and perhaps renewable technolo-
gies, modular storage facilities, and specially «esigned DSM programs, can be
distributed throughout the transmission and di: tribution system and serve as an
alternative to planned central generation investiient and transmission and distri-
bution system expansion is fundamental to the :oncept of the distributed utility.
In 1992, a group that included research and c..demic institutions, government
agencies, and electric utilities was formed to st dy the distributed utility concept
{7,8). This was not the first time the concept was addressed. Earlier reports
measured the benefits of siting small-scale d:spersed storage and generation
assets in a utility’s transmission and distribution system (9-21). Those bencfits
included reduced capacity requirements of the transmission and distribution
system, improved reliability, and lowered loss:s. Under the distributed utility
(DU) concept, the central station assets are still likely to provide the majority of
the energy needs of all customers, but the distr buted elements will meet local-
area transmission, substation, and feeder peaks when and where most useful,
The latter idea is the distinguishing characterisic of the DU concept. Planning
under the DU concept highlights transmission and distribution costs and how
distributed assets can affect those costs, compared with the kind of planning
practices that tend to ignore the impacts on thz distribution system and focus
mainly on generation. Indeed, when the costs f transmission and distribution
are taken into account, expansion strategies ca 1 change greatly.

AN EXAMPLE OF DU PLANNING

PG&E'’s Livermore-Pleasanton Planning Area

Pacific Gas and Electric Company (PG&E) is t e largest investor-owned utility
in California. PG&E serves customers in 201 planning areas distributed over
nearly the entire length and breadth of the state, from Santa Barbara in the south
to beyond Eureka in the north; service areas ex end to the Sierra in the east and
to the relatively sparsely populated areas in th: south-central part of the state
as well as to the urban population centers of Saa Francisco and San Jose and to
the neighboring suburban areas.
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PG&I's Livermore-Pleasanton (LP) planning area is located about 40 miles
southeast of San Francisco. The area encompasses the Interstate 680 corridor
in the San Ramon valley from south of Danville past Interstate 580 through
Pleasanton. Expansion planning in the area was bised on an estimate of the
expected value of the peak load growth rate of 12.3 MW per year, or 9.2%, per
yeat, of the maximum area load, which was 133 MW in 1990. PG&E's system-
wide growth rate was approximately 2% per year at that time. The LP area
is composed mainly of residential and small comm zrcial customers (58% and
33%, respectively, of the peak load), with a smaller number of industrial and
agricultural customers (9% of the peak load). The re latively large growth rate is
due to the expected increase in the commercial and rusidential classes, resulting
from individuals and companies relocating from &an Francisco and the San
Francisco peninsula to the more affordable locatiors in the San Ramon valley.

Using conventional planning approaches, PG&E proposed an upgrade of the
230-kV and 60-kV lines that served seven substat ons in the area. The plan
included construction of a 230-k'V transmission lire to one of the substations
(Vineyard). That part of the plan attracted attention when Pleasanton residents
learned that the line would be built overhead acro-s the mountain range that
separates Pleasanton from San Francisco. The resic ents requested that the last
few miles of the line be underground to avoid sitc pollution associated with
the overhead line. PG&E began to investigate other approaches in order to
avoid the cost of the underground line. A revised plan was approved by the
California Public Utilities Commission that include« construction of a 90-MVA
transformer at another substation, which deferred thz 230-kV underground line
until 2001. This expansion plan is depicted in Figure 1. The present value of
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Figure 1 Conventional expansion plan costs for LP area.
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this plan is $355 million. This amount includes all direct and indirect costs
required to support expected load growth over the 20-ycar planning period.

A natural question to ask is whether it is po:sible to modify this plan and
still satisfy the needs of the planning area. The conventional planning criteria
used to develop the expansion plan shown in :figure 1 determine plans that
provide high levels of reliability while meeling the load in the area. Therefore,
the conventional solution to the planning problem is to expand the capacity of
the transmission and distribution system in the zrea so that local peak demand
is satisfied, using central generation capacity .o supply the needed energy.
Thus, the following observation is immediate a 1d fundamental: The costs of
transmission and distribution capacity expansion can be attributed to very few
hot or cold hours of the year, depending on the season of the peak demand. The
observation is immediate because capacity expinsion is needed only if peak
load exceeds existing capacity. The observation is fundamental because it is
the analysis of these few peak hours in each plaining area that determines the
structure of alternatives to conventional plannin.:. Finding such alternatives is
the basis of the distributed utility planning proc.ss. Therefore, it is necessary
to identify the high-cost areas and hours for a utility. These areas and hours
can be found through a process that decomposes a utility system’s costs into
so-called area- and time-specific (ATS) costs (27).

Although the purpose of this section is to discuss an example, some back-
ground may be of interest. In PG&E’s 1993 General Rate Case, PG&E became
the first vertically integrated, investor-owned util ty to have regulatory approval
for the use of area- and time-specific (ATS} costs for rate making and resource
planning, [Other utilities may be expected to apply for similar approval. The
Federal Energy Regulatory Commission has adopted a more flexible pricing
policy for transmission services (23).] The resource planning applications
included targeting demand-side management (I'SM) programs and installing
generation and storage assets locally, in the high-cost areas, as measured by the
ATS costs, to lower the cost of transmission and distribution (T&D) expansion.
As noted above (see The Distributed Utility Concept), lowering T&D costs by
meeting local peak demand using local generation, storage, or DSM programs
is what characterizes planning under the distributed utility concept.

Priorto 1993, PG&E and the Electric Power Research Institute (EPRI) collab-
orated on a series of four studies that addressed such local investment planning.
The first project focused on the siting of a 500-kW photovoltaic plant con-
nected to a primary distribution feeder from PC &1’s Kerman substation (5).
The study used ATS costs and hourly load analysis to site the facility optimally
and to develop estimates of both bulk-system and local benefits. The results
indicated that the photovoltaic plant was not cout effective. Nevertheless, the
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study estimated that the local benefits of this investment were on the order of
the more traditional system energy and capacity henefits. The second study,
applied to PG&E’s Delta district, addressed the optimal integration of DSM pro-
grams with a local conventional T&D expansion g lan. The study applied ATS
marginal costs and estimates of load by area, customer segment, and end-use.
The result was an integrated (conventional investrients plus DSM) expansion
plan that was approximately 30% less expensive th.n the original, conventional
expansion plan. In fact, PG&E built the Kerman photovoltaic facility (as a
demonstration of the technology rather than as a cost-effective investment) and
implemented the first two years of the integrated plan in the Delta District (4).
The third study in this series addressed the Livermore-Pleasanton area (24).
That study added locally sited generation and storz ge devices to the set of pos-
sible investments, and it is the source of the example under discussion. (The
fourth collaborative study constructed an integratec planning process that com-
bined existing models of generation, transmission. and distribution planning.
The report describing that study is not yet availabl.:.)

The integrated expansion plan shown in Figure  was found for the LP area
by applying ATS costs and integrating DSM and locally installed generation
and storage assets into the conventional expansion plan. The integrated plan
deferred the transmission upgrade to 2009, which changed the present value of
the upgrade from $94 million to $35 million. The present value of the distribu-
tton investments was also reduced owing to deferr.l, and it decreased to $178
million from the original value of $261 million. Thus, the original plan had con-
ventional investments with a present value of $355 million; deferral reduced the
present value of those investments to $233 million. The deferrals were created
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Figure 2 Integrated expansion plan costs for LP area.
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Table 1 Comparison of net present values « £ the original expansion plan
and the integrated expansion plan for LP are

Orizinal plan  Integrated plan

Transmission vpgrade 94 55
Distribution investments 261 178
Conventional investments (total) 355 233
DSM investments 41
Locally sited engines 48
Avoided generation capacity (160)
and avoided energy costs
Net present value (total) 355 162

by investing in DSM and locally sited engine:. The present values of those in-
vestments were $4 1 million and $48 million, 1espectively. Further, the benefits
of avoided energy costs (due to DSM) and a -oided generation capacity costs
{due to locally sited engines) were, together, 3160 million. Therefore, the net
present value of the integrated plan was $162 niillion (554 178 +41+-48 — 160).
The savings due to integrated planning was 193 million, or over 50% of the
original present value. These results are prese nted in Table 1.

ATS Costs in Livermore-Pleasanton

The ATS cost in a local area is the sumn of three components: avoided generation
capacity cost, avoided energy cost, and avoiced local transmission and distri-
bution cost. The avoided generation capacit - cost is the value to the system
of not having to supply generation capacity tc a local area at a particular time.
This cost is a function of the cost of a combus ion turbine, the expected system
unserved energy, and the hourly load on the sy stem. The main idea in the com-
putation of hourly avoided cost is that the co-t is greatest when the system is
under stress, i.e. serving a peak load. The avcided generation capacity cost for
hours that are not likely to be system peak hours is zero. Figure 3 exhibits the
avoided generation capacity cost for the PG4A:E system. The system peaks at
about 4:00 p.M. eachday. July, August, and September contain all the high-load
hours. The maximum hourly cost is about 5¢.50 per kWh, in July. This may
appear to be a large value. The purpose of th - analysis is to assign the cost of
serving the peak load to the hours in which the peak load is likely to occur. Itis
natural to observe relatively large costs over r :latively few hours. The avoided
energy cost is based on the system-wide fore zast of hourly energy costs. An
environmental adder is included, in this case, 1.) account for pollution reduction
that results from reduced load on central gen:ration units that emit pollution.
The environmental adders may vary by seascn. The average marginal energy
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Figure 3 Hourly marginal generation capacity costs in $/k'W 1.

cost was $.0236 per kWh, and the average enviren nental adder was $.0114 per
kWh. These costs are multiplied by energy loss factors to account for transmis-
sion energy losses. The avoided energy cost can he presented in a figure similar
to Figure 3 but is not shown here. For the PG&E system, the marginal energy
costs are greatest in December, when they are about $.065 per kWh between
8:00 A.M. and 8:00 P.M. In July, August, and Scptember, the marginal energy
costs are approximately $.035 per kWh between 2:00 .M. and 6:00 P.M.

The avoided local transmission and distribution cost is not based on system
behavior. Instead, that avoided cost is equal to the difference between the
present value of the conventional expansion pla:, as presented in Figure 1,
and the present value of this plan when it is dcferred for some time. For
example, suppose an investment of $1.00 to be ma le now could be deferred for
n years. The present value of that deferred investim.ntis $1.00 (1+:)" /(1 +r)",
where { is the annual inflation rate and r is the appiopriate annual discount rate.
The avoided cost associated with deferring thiz »lanned investment is $1.00
[1 = (14+D"/(1 4+ r)"]. This avoided cost can b¢ allocated hourly by various
approaches. In the present case, the cost was ailocated over the 100 hours
corresponding to the largest local loads, using ¢ weighted average over the
aggregate load in those hours. (This allocation was based upon the spiky load-
duration curve observed in this case. Figure 9, bolow, indicates that a typical
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Figure 4 Hourly marginal local T&D capacity costs in ~/kW-year.

distribution planning area load-duration curv.: is more peaked than a system-
wide load-duration curve. There is relatively little load diversity in a local
planning area.) Figure 4 exhibits these cosis. The hourly costs are largest
between noon and 7:00 P.M. during July and August. The peak value is about
$1.10 per kWh at 3:00 P.M. in August.

One way to relate these costs to local-area conditions is shown in Figure 5.
In all three graphs, the independent variable i+ the local hourly load, shown in
decreasing order from the local peak of 133 MW; the hour is implicit. The top
graph shows that the avoided local T&D cost is a decreasing function of the
local load. This is a consequence of the allc cation scheme described above,
After the load drops below 109, no avoided cost is assigned, because the load
drops below 109 after the one-hundredth hour. The middle graph describes
the avoided cost of generation for the local aiea. This curve is not monotonic
because the local-area peaks do not coincide “vith the system-wide peaks. The
system-wide peak hours have the greatest avei led generation costs. The middle
graph is another representation of the data in Figure 3. The third, bottom, graph
shows the marginal energy cost assigned to e.ich of the loads in the lecal area.
Again, this graph is not monotonic becausc “he peak local-load hours do not
correspond to the hours at which the system e nergy cost is largest.



